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Abstract 
A dynamic simulation model of an injection riser/pipeline/well for injection of shipped liquefied CO2 was set up 
using the multiphase flow simulator OLGA. Furthermore, the topside offloading process was modelled using 
HYSYS. The models were applied for case studies using parameters from the existing Snøhvit and Sleipner CO2
injection wells and reservoirs.  
The study quantified effects related to flow capacity (pump/compressor requirements and line sizing of the riser, 
pipeline and well), freezing, hydrate formation, phase change and heat transfer in the offloading and injection system. 
With an available injection pump discharge pressure of about 120 bar, the injection capacities were predicted to about 
275 kg/s on Snøhvit and 400 kg/s on Sleipner when assuming 7” ID tubing size in the well and 700 m flowline 
length. 
In the base case scenario with a 700 m buried pipeline and injection temperature of -53°C (this storage temperature 
on the ship, at a pressure of 7-8 bar had been selected for optimum transport capacity) there is a high risk of unwanted 
hydrate formation and freezing in the formation and on the outer surface of the riser and pipeline.  The bottomhole 
temperatures were predicted as low as -38 and -46°C on Snøhvit and Sleipner respectively when injecting at pump 
design rate, far beneath expected hydrate and freezing temperature of 10-12 °C and -1.9°C (in salt water) 
respectively. Thus heating, either by topside heat exchangers and/or by utilizing the warmer sea water (5°C) via a 
longer injection pipeline is required to avoid problems. An alternative storage condition at -20°C and 20 bar was 
proposed and simulated to reduce energy requirements due to heating and pressurization at the ship. The heating 
power was reduced by 18 MW while topside pumping power was reduced by 0.5 MW in this case. 
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1. Introduction 
This paper presents case studies of liquefied CO2 injection, transported at low temperature by ship and 
offloaded and injected at a buoy close to the injection well. The work was executed in close cooperation 
with an engineering company developing such technology. 
CO2 capturing and injection for storage or IOR is done today in several locations worldwide and is 
considered proven technology. On the Norwegian shelf CO2 is captured from the produced gas in the 
processing facilities at Snøhvit [1] and Sleipner [2] and injected into the nearby Tubåen and Utsira 
reservoirs, respectively. The existing technology has however been developed for CO2 injection at 
supercritical conditions at much higher temperatures than in the liquefied CO2 injection scenario which is 
assessed in this study. 
The concept of injecting cooled liquefied CO2 in distant aquifers/reservoirs, shipped from CO2
capturing installations such as for example the Snøhvit process plant is a relatively new technology under 
development by Fabricom, through several projects taking into account overall project economics and 
technical solutions for shipped transport and injection. When evaluating technical feasibility of the 
injection part of this technology it is important to quantify physics related to freezing and hydrate 
formation (due to the low transport temperatures), phase change (vaporization and dry ice formation), heat 
transfer, required injection pressure and flow capacity during injection.  
In this study a transient flow and heat transfer model of the injection system from the offloading buoy, 
i.e. a riser, flowline and injection well with surrounding formation, was set up using the commercial 
multiphase flow simulation program OLGA, licensed by SPTGroup.  Furthermore, a process model using 
the commercial process simulator HYSYS (licensed by AspenTech) is applied for optimization of the tank 
storage conditions on the ship and the offloading process with respect to temperature, pressure and energy 
use for heating and pumping. 
The liquid CO2 is transported by ship at conditions near the triple point at 7-8 bar and -53°C. These 
storage conditions had been selected since they are considered optimal for transportation of large volumes 
of CO2. In order to inject the CO2 into aquifers in suitable geological formations, it is pressurized up to 
90-120 bar (i.e. in supercritical state) using a single phase pump. The capacity of injection is one critical 
factor with respect to the feasibility and economical soundness of this business idea. On the other hand, 
injecting at high flowrates cause low temperatures when the CO2 enters the well due to short retention 
times in the pipeline between the ship and the well and thus low heat transfer from the warmer 
surroundings (the sea water temperature is 5°C in the studied cases). Thus, serious problems due to 
hydrate formation and freezing may occur when the cold CO2 meets formation water in the reservoir.  
The following main design criteria for a liquefied CO2 injection well system to be workable have been 
identified: 
x Pump capacity (i.e. flow rate and discharge pressure) should be sufficient to inject the required rate. 
The reservoir pressure and well/flowline size are important parameters for the pump design. 
x Hydrate temperature down in the well where the CO2 might come in contact with formation water 
should be avoided. 
x Ice formation temperature (about -1°C) should preferably be avoided at the wellhead to avoid 
unwanted freezing/cracking of the well completion and near formation.  
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These matters and other aspects are studied quantitatively in this work by use of the aforementioned 
OLGA and HYSYS models applied on two case studies, using field parameters from Snøhvit (injection 
into the Tubåen formation) and Sleipner (injection into the Utsira formation) respectively. 
Nomenclature 
EOS Equation of State 
GOR Gas Oil Ratio 
WC Water Cut 
WH Wellhead 
HOL Liquid holdup/liquid volume fraction (in simulation plots) 
ID Inner Diameter 
EOR Enhanced Oil Recovery 
J-T Joule Thompson 
P Pressure 
PT Pressure (in simulation plots) 
ROL Liquid density (in simulation plots) 
T Temperature 
TT Temperature (in simulation plots) 
TVD True Vertical Depth 
TW Wall layer temperature (in simulation plots) 
UL Liquid velocity (in simulation plots) 
bar Unit for absolute pressure (1 bar = 0.1 MPa) 
r Radius 
2. Model description 
2.1. OLGA model of riser, pipeline and well 
A simplified sketch of the flow and heat transfer simulation model is shown in Figure 1. The liquid 
CO2 is pumped through a 300 m vertical 12” (300 mm ID) riser and then through a 700 m long 12” 
(300 mm ID) flowline (a negative inclination of 10 m was assumed in the model for the flowline), and 
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finally through a 7” (178 mm ID) vertical well of 2600 m depth on Snøhvit and 1000 m depth on 
Sleipner. A 50 m long horizontal pipe upstream of the riser is also included in the model representing 
topside piping (the relatively long length is chosen to obtain a consistent discretized section length with 
the sections in the riser). Boundary conditions in the model are inlet (i.e. at the pump discharge point) 
flow rate and temperature and outlet (i.e. bottomhole) pressure. A realistic maximum pump discharge 
pressure of 120 bar was assumed. 
Figure 1. OLGA simulation model 
The heat transfer from the surroundings (i.e. seawater and well formation) is modeled using the WALL 
option in OLGA (ref. [9]), i.e. accounting for radial heat transfer through pipe walls with defined material 
thermal properties (thermal conductivity, density and specific heat capacity). In the well, the formation is 
modeled by adding 50 (or 25 in some cases) meters of formation wall layers (automatically discretized) in 
the radial direction, as shown in Figure 2 and Table 1 to Table 3. A layer of oil based mud in the annulus 
of the well is also included.  For the riser a 16.5 mm thick insulation layer is added to the steel wall giving 
the overall heat transfer coefficient of a typical flexible riser (in the riser, the second layer is this 
insulation layer, while layer 1 comprise the steel wall, which has the same thickness of 12.7 mm as in the 
pipeline, cfr . Table 3). For the pipeline only the steel wall is included, except in the simulations with ice 
layers where the ice is layer no. 2. 
The ambient temperature is specified as 5°C in the water (surrounding the pipeline and riser). The pipe 
outer wall surface convective heat transfer coefficient is calculated by OLGA assuming a sea water 
current velocity of 0.5 m/s. In the well a linear profile between the anticipated reservoir temperature 
(120°C at Snøhvit/Tubåen, 37°C at Sleipner/Utsira) and the mudline temperature at 5°C is applied. 
Any axial heat transfer in the walls is neglected with this model. It is noted that this can be important, 
in particular in the upper part of the well close to the sea-bed where there will be a significant vertical 
Riser: 300 m
Well depth: 
Snøhvit/Tubåen: 2600 m
Sleipner/Utsira: 1000 m
Flowline: 700 m
Pump discharge 
P < 120 bara
T > -53°C
Reservoir 
Snøhvit/Tubåen: 
P= 285 bara, T=120 °C
Sleipner/Utsira:
P= 150 bara, T=37 °C
Ambient water 
temp. 5°C
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heat transport from the warmer sea water (when the formation near the well has been cooled by liquid 
CO2). In order to predict a more accurate and realistic temperature field in the near well formation it is 
suggested to extend the current model and account for this vertical heat transfer, by linking a 2D 
numerical heat transfer model with the OLGA model (via the OLGA Server interface) in later work. 
Figure 2. Well and formation wall layer discretization (formation layer thickness is assumed 50 m in the current model). (r1=, r2=, 
r3= etc. are the distances from the pipe center to the wall layer temperature monitoring points which are at the midpoint of each
layer, cfr. Table 1) 
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Table 1. Wall layer thicknesses in well/formation with coarse formation discretization (10 layers) used in steady state simulations. In 
the riser and pipeline, layer no. 1 and 2 are steel walls, while layer 3 is the riser insulation. 
Tubing size: 7” (ID=0.178m) 
LAYER NO. MATERIAL THICKNESS 
          (m) 
Distance from 
center of tubing to 
layer midpoint  
           (m) 
    
1 C_STEEL 0.0127 0.0953 
2 OIL_MUD 0.0027 0.1030 
3 OIL_MUD 0.0073 0.1080 
4 FORMATION 0.0775 0.1504 
5 FORMATION 0.1400 0.2591 
6 FORMATION 0.2574 0.4578 
7 FORMATION 0.4803 0.8267 
8 FORMATION 0.9076 1.5206 
9 FORMATION 1.7330 2.8409 
10 FORMATION 3.3320 5.3734 
11 FORMATION 6.4400 10.2594 
12 FORMATION 12.4700 19.7144 
13 FORMATION 24.1600 38.0294 
   
Sum wall 
thickness 
50.0205  
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Table 2. Wall layer thicknesses in well/formation with finer formation discretization (20 layers) used in transient simulations. The 
layers used in temperature plots are bold
Tubing size: 7” (ID=0.178m) 
LAYER NO. MATERIAL THICKNESS 
        (m) 
Distance from 
center of tubing to 
layer midpoint  
         (m) 
    
1 C_STEEL 0.0127 0.09525 
2 OIL_MUD 0.002853 0.103027 
3 OIL_MUD 0.007147 0.108027 
4 FORMATION 0.07227 0.147735 
5 FORMATION 0.1107 0.23922 
6 FORMATION 0.165 0.37707 
7 FORMATION 0.2394 0.57927 
8 FORMATION 0.3385 0.86822 
9 FORMATION 0.4669 1.27092 
10 FORMATION 0.6292 1.81897 
11 FORMATION 0.8293 2.54822 
12 FORMATION 1.071 3.49837 
13 FORMATION 1.357 4.71237 
14 FORMATION 1.691 6.23637 
15 FORMATION 2.078 8.12087 
16 FORMATION 2.523 10.42137 
17 FORMATION 3.036 13.20087 
18 FORMATION 3.629 16.53337 
19 FORMATION 4.323 20.50937 
20 FORMATION 5.143 25.24237 
21 FORMATION 6.13 30.87887 
22 FORMATION 7.335 37.61137 
23 FORMATION 8.832 45.69487 
   
Sum wall 
thickness 
50.0205  
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Table 3. Wall layer thicknesses in the riser. In the riser (and pipeline), layer no. 1 is the steel wall of thickness 12.7 mm while layer 
no. 2 is the riser insulation. 
Riser ID: 7” (ID=0.178 m) 
WALL NAME =
LAYER NO. 
RISERWALL_SIMPLE 
MATERIAL THICKNESS 
         (m) 
Distance from 
center of tubing to 
layer midpoint  
          (m) 
    
1 C_STEEL 0.0127 0.15635 
2 PP-SOLID 0.0027 0.17095 
   
Sum wall thickness 50.0205  
2.2. Thermal properties 
The density and thermal properties of the formation are dependent on the geology structure. Some 
typical values are given in Table 4. 
Table 4. Typical thermal properties in formation 
Material Density 
[kg/m3] 
Specific heat capacity 
[J/(kgK)] 
Thermal conductivity 
[W/(mK)] 
Shale 1900 – 2380 900 1.3 - 2.3 
Sandstone 1900 – 2200 825 - 1000 1.5 - 2.4 
See also [8] for more information on thermal conductivity of sandstones and their dependency on 
temperature and pressure. 
For the current simulations the values in Table 5 were applied. 
Table 5. Thermal properties for materials used in OLGA simulations 
Material Density 
[kg/m3] 
Specific heat capacity 
[J/(kgK)] 
Thermal conductivity 
[W/(mK)] 
Formation/soil 2000 900 2 
Carbon steel 7850 450 45 
Insulation of riser 
(Polypropylene) 
903 2591 0.221 
Oil based mud (in annulus) 800 2544 0.26 
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2.3. Fluid data 
A fluid property table for OLGA (giving densities, viscosities, gas fractions, enthalpies etc. as a function 
of pressure and temperature) was generated in PVTSim version 17 (licensed by Calsep), using the Peng-
Robinson Peneloux EOS model. Due to stability problems in OLGA when applying a pure single 
component CO2 composition, some amount of hydrocarbon gas (10% methane, 6% ethane, 3% propane 
and 1% n-butane on mole basis) had to be added to the composition. Hydrocarbon components were 
chosen since OLGA requires that hydrocarbons are present in the composition and a number of different 
compositions were tested before the model became robust enough for this study. The phase envelope for 
this composition is shown in Figure 3 together with the phase diagram for pure CO2. The deviation is 
significant, but this composition was still considered to give adequate accuracy for the purposes of this 
study. OLGA was originally developed for simulation of multi-component hydrocarbon fluids, and the 
standard OLGA module is not suited for single component simulations due to the abrupt phase change 
from liquid to gas when crossing the phase line which causes numerical instabilities (as mentioned this 
was remedied with the modified composition). It is noted that a separate single component software 
module for OLGA has been developed for this purpose but this was not available for this study. 
Note also that the solid CO2 region (cfr. with the phase diagram in Figure 4) is not predicted with 
PVTSim, but this is outside the pressure and temperature region simulated in this study. It should, 
however, be kept in mind in design when evaluating dry ice formation that could form due to rapid 
pressure reduction and J-T cooling. 
Figure 3. Phase envelopes for pure CO2 and the composition used in the OLGA simulations (80% mole CO2 and 20%  hydrocarbon 
gas added for simulation stability reasons) 
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Figure 4. Phase diagram for pure CO2 (taken from Wikipedia). 
In the HYSYS simulations, the Peng-Robinson model was also applied, using a pure CO2 composition. 
The densities from this model showed adequate agreement (less than 10% deviation) with densities 
predicted by Bachu [11] (cfr. with Figure 4 in [11]). The accuracy on other parameters (viscosity, heat 
capacity and thermal conductivity etc.) has not been verified. The accuracy in the lower temperature 
region (below the triple point temperature) is not known, as no data were found for this region in the 
literature. 
2.4. Hydrate formation 
At low temperatures and high pressure hydrates may form when CO2 comes in contact with water. 
Hydrate formation curves predicted in PVTSim are shown in Figure 5. The effect of salts in the formation 
water will reduce the hydrate temperature. A typical formation water salt content would be similar to sea 
water (3.5% weight of mainly NaCl, with some other salts such as magnesium, calcium and potassium 
and sulfates). To be on the safe side, the temperature should be kept above 12°C, which is the hydrate 
formation temperature for fresh water contact with CO2 at 300 bar. The hydrate temperature with 3.5% 
weight of NaCl is 10° at the same pressure. 
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Figure 5. CO2 hydrate curves assuming 0, 1, 2 and 3.5% wt with NaCl in H2O (for 10-90% mole mixture of H2O and CO2
respectively. Note that only some of the H2O is dissolved in the CO2. 10% H2O was chosen in order to ensure that the CO2 would be 
saturated with H2O when generating the hydrate curves in PVTSim) 
2.5. Ice formation on riser/pipeline due to freezing of ambient salt water 
The low temperatures of the liquid CO2 may cause problems due to freezing of the ambient sea water 
and ice formation around the riser and pipeline. An ice layer will act as an insulating layer (the thermal 
conductivity of ice is 1.88 W/mK), and reduce the heating effect from the ambient sea water along the 
pipeline. In addition freezing may cause problems since the flexibility of the riser can be reduced by ice 
formation. 
The freezing temperature of sea water (with salinity 3.5%) is reported as -1.9°C in [10]. To avoid ice 
formation on the pipeline and riser outer surfaces, it would thus be beneficial to inject the liquid CO2 at a 
temperature not significantly lower than this. 
2.6. Freezing/fracturing of tubing/casing and near formation 
Due to the low temperatures of the injected CO2 and the large and fast temperature changes at start of 
injection (when the well has been heated to a normal temperature by the surrounding formation) it is 
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anticipated that freezing of wet areas of the near formation, expansion and contraction and possibly 
fracturing of the casing/tubing and near well formation could cause problems. The transient simulations in 
section 3.2.2 predict the expected temperature changes and heat transfer in the well in a startup-shutdown-
startup scenario of injection. 
2.7. Potential solidification of CO2 (dry ice generation) during depressurization or blowout 
Another potential problem due to low temperatures is the phase change from vapour CO2 to solid dry 
ice, i.e. crossing the sublimation line in the phase diagram (cfr. Figure 4). This could happen during a 
rapid depressurization operation or blowout/leakage incident of the well, due to the Joule-Thompson 
cooling effect on the CO2 gas (which would first have evaporized from the liquid phase) due to the 
pressure reduction. 
3. Simulation case studies on Snøhvit and Sleipner injection wells 
A large number of OLGA simulation cases were run in this study, both on the Snøhvit and Sleipner 
cases.  In order to limit the number of pages of this paper, only the most interesting simulation results 
from Snøhvit are presented here. 
The plotted simulation results show pressure and temperature (and other parameters such as densities 
and velocity) profiles along the riser, pipeline and wellpath. In the transient simulations these are plotted 
at different time points, and in addition trend plots (i.e. time series) at different locations are plotted. The 
results are then discussed and applied for analysis and design recommendations with respect to flow 
capacity/required pump pressure, hydrate formation, freezing and heating requirements. Due to numerical 
stability problems some of the simulations crashed (in spite of using a modified fluid composition as 
mentioned in section 2.3). The cases that crashed are indicated in the tables with results. 
3.1. Simulation cases 
The following operational scenarios were simulated with the OLGA model. 
xSteady state injection at different flow rates and inlet temperatures 
xStart-up – Shut-down – Start-up 
In the latter transient scenario the following simulation procedure was applied:  
The well is initially assumed filled with cold water. This is implemented by injecting water at 5°C at a 
low rate at the wellhead. After 10 hrs of simulation, injection of liquid CO2 starts by ramping up the inlet 
flow rate (i.e. Start-up after 10 hrs simulation time). After 24 hrs of steady state injection and cooling of 
the formation surrounding the well, the injection is stopped again (Shut-down, after 34 hrs simulation 
time) and the well is heated by the warmer surrounding formation. Finally the inlet flow rate is ramped up 
again (Start-up after 130 hrs simulation time). The fluid and formation temperatures (and other 
parameters) are monitored for 210 hrs of total simulation time (i.e. 80 hrs after start-up), such that the 
relatively slow cooling process of surrounding formation can be observed.  
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The following variations to the ‘base case’ pipeline model parameters (the ‘base case’ is a 700m long 
buried pipeline with inlet temperature -53°C) were simulated: 
xUnburied (and uninsulated) vs. buried 700m pipeline 
xUnburied 700m pipeline with an external ice layer of different thicknesses on the pipeline and 
riser acting as an insulating layer 
xDifferent inlet temperatures were simulated, ranging from -53°C up to 0°C.  
xA sensitivity with longer (1000 and 1300 m) unburied pipeline was simulated in order to 
investigate utilization of the heating effect of the ambient sea water to increase wellhead 
temperature. 
For the Sleipner case, similar simulations were undertaken, but only concluding remarks are included 
in this paper in section 3.3 and 4. 
3.2. Snøhvit simulations 
The simulations presented here with the Snøhvit injection model assumed a buried pipeline with 1 m 
backfill (i.e. the height from the mudline to the top of the pipe). When assuming that the pipeline is 
buried, the soil acts as an insulation layer, preventing heat exchange with sea water. The well 
temperatures are consequently much lower than for an unburied pipeline. It is likely that the pipeline will 
be partly buried due to the muddy sea bottom, and these results are therefore on the conservative side with 
respect to formation freezing and hydrate formation. 
3.2.1. Steady state injection scenario. The well is initially filled with water. 700 m long buried flowline. 
Table 6 Pressure and fluid temperature at different locations during steady state injection of liquid CO2. Snøhvit model with vertical 
well. Inlet temperature: -53°C. Flowline length: 700 m (buried). 
Injection rate  
[kg/s] 
Inlet pressure (required 
pump discharge 
pressure)
[bar] 
Fluid temp. at bottom 
of riser 
[°C] 
Fluid temp. at WH 
[°C] 
Fluid temp. at 
bottomhole 
[°C] 
200 15.2 -51.4 -50.9 -38.3 
225 31.2 -51.5 -51.0 -37.9 
250 48.5 -51.5 -51.1 -38.5 
275 68.0 -51.6 -51.2 -38.4 
300 Simulation crashed    
325 112.6 -51.7 -51.3 -37.9 
400 193.1 -51.8 -51.4 -36.6 
500 325.9 -51.8 -51.5 -33.6 
645 487.5 -51.8 -51.5 -29.3 
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Results from steady state simulations of the buried pipeline are shown in Table 6. When the sea bed 
pipeline is buried the surrounding mud layer acts as insulation, preventing heat exchange with sea water. 
The effect is a rather insignificant heat transfer when compared to the similar case that was run with 
unburied pipeline. As seen in Table 1 the temperature at the wellhead has only increased to -51.7 °C, 
while bottom hole temperature has increased to -37.9 °C (due to heat supply from the surrounding 
warmer formation) in the maximum pump capacity case at 325 kg/s (maximum discharge pressure of the 
pump is 120 bar) with buried pipeline. Thus hydrate formation and well freezing must be expected if the 
CO2 contacts water in the well/formation. In the similar case with unburied pipeline the wellhead and 
bottomhole temperatures were predicted to -16.8°C and -2.8 °C respectively, however no external icing 
on the pipeline which would lead to lower temperatures due to the insulating effect (cfr. with section 2.5) 
was assumed in this case.  
Simulation plots from the case with 275 kg/s injection rate (denoted ‘base case’) are shown in Figure 6 
to Figure 11.  
Figure 6 Profile plots of pressure and temperature in base case Snøhvit simulation with -53°C inlet temperature and 275 kg/s 
(=839 m3/h @P&T) injection rate. Buried pipeline. 
As seen in Figure 6 the pressure increases in the riser (first 300 m) due to gravity, then a slight 
pressure drop due to friction is observed in the pipeline before a pressure increase up to the reservoir 
pressure occurs in the well due to gravity. It is noted that there is a significant contribution from frictional 
pressure drop in the well due to the relatively high velocities, which is ‘overruled’ by the gravity. The 
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temperature increases slightly in the riser (which is assumed uninsulated) and more significantly in the 
well due to heating from the surrounding formation. 
Figure 7. Profile plots of liquid holdup (volume fraction), liquid density and liquid velocity in base case Snøhvit simulation with  
-53°C inlet temperature and 275 kg/s (=839 m3/h @P&T) injection rate, buried pipeline 
The holdup (i.e. liquid volume fraction), velocity and density profiles are shown in Figure 7. The 
holdup is constant at 1, indicating that no vapour phase (or supercritical vapour) is present during steady 
state injection. The fluid velocity reaches a maximum of 9.4 m/s in the well due to the smaller pipe 
diameter, and this gives a contribution to the total pressure drop due to friction which could be reduced be 
selecting a larger tubing diameter. The density of the fluid depends on temperature and pressure and does 
not change significantly in the well since both the pressure and temperature increases (increased pressure 
causes higher density, while increased temperature affects density in the other direction and causes lower 
density). 
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Figure 8. Profile plots of fluid and formation wall layer temperatures 20 hrs after start of injection in base case Snøhvit simulation
with -53°C inlet temperature and 275 kg/s (=839 m3/h @P&T) injection rate, buried pipeline. The well is initially filled with water 
at 5°C. 
As seen in Figure 8 the formation temperature near the wellhead is about 0ºC about 0.5 m outside the 
centre of the tubing (layer 6). For layers inside the 0.5 m radius there is a risk of freezing. 
Table 7 to Table 9 show simulations with higher inlet temperatures than -53 °C, namely -20 °C, -10 °C 
and 0°C. 
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Table 7 Pressure and fluid temperature at different locations during steady state injection of liquid CO2. Snøhvit model with vertical 
well. Inlet temperature: -20°C. Flowline length: 700 m (buried). 
Injection rate  
[kg/s] 
Inlet pressure (required 
pump discharge 
pressure)
[bar] 
Fluid temp. at bottom 
of riser 
[°C] 
Fluid temp. at WH 
[°C] 
Fluid temp. at 
bottomhole 
[°C] 
200 55.8 -18.1 -17.9 -3.0 
250 90.7 -18.2 -18.1 -3.9 
275 Simulation crashed    
280 115.4 -18.3 -18.2 -4.2 
300 133.6 -18.4 -18.2 -4.2 
400 241.7 -18.6 -18.4 -3.9 
500 379.8 -18.7 -18.5 -2.0 
645 Simulation crashed    
Table 8 Pressure and fluid temperature at different locations during steady state injection of liquid CO2. Snøhvit model with vertical 
well. Inlet temperature: -10°C. Flowline length: 700 m (buried). 
Injection rate  
[kg/s] 
Inlet pressure (required 
pump discharge 
pressure)
[bar] 
Fluid temp. at bottom 
of riser 
[°C] 
Fluid temp. at WH 
[°C] 
Fluid temp. at 
bottomhole 
[°C] 
200 70.6 -7.9 -7.8 7.7 
250 106.0 -8.1 -8.0 6.7 
275 126.6 -8.2 -8.1 6.3 
300 149.2 -8.3 -8.2 6.0 
400 Simulation crashed    
At -10°C injection temperature, freezing can be avoided at bottomhole depth. However hydrate 
temperature is still reached. 
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Table 9 Pressure and fluid temperature at different locations during steady state injection of liquid CO2. Snøhvit model with vertical 
well. Inlet temperature: 0°C. Flowline length: 700 m (buried). 
Injection rate  
[kg/s] 
Inlet pressure (required 
pump discharge 
pressure)
[bar] 
Fluid temp. at bottom 
of riser 
[°C] 
Fluid temp. at WH 
[°C] 
Fluid temp. at 
bottomhole 
[°C] 
200 86.8 2.3 2.3 18.7 
225 103.6 2.2 2.2 17.9 
250 122.3 2.1 2.1 17.2 
275 143.1 2.0 2.0 16.6 
300 Simulation crashed    
400 Simulation crashed    
500 Simulation crashed    
645 Simulation crashed    
With 0°C injection temperature, both freezing and hydrate conditions are avoided, for a buried 
pipeline. This is thus desirable from a ‘flow assurance’ point of view, but would however require 
significant topside heating requirements and energy consumption before injection. 
3.2.2. Transient simulations. Startup-shutdown-startup (with buried pipeline model) 
Transient simulation were performed for 3 different injection rates and temperatures, using the 
simulation procedure explained in section 3.1.  
The results are shown in Figure 9 to Figure 11 and Figure 13 to Figure 15 as trend plots of wall layer 
temperatures in the well and formation at different depths. Please refer to Table 2 for wall layer 
numbering/locations.  Wall layer no. 1 is the tubing wall and has essentially the same temperature as the 
fluid. In addition plots of pressure at the wellhead and halfway down the well are included in Figure 12 
and Figure 16.  
The wall layer temperature plots shows that the formation temperature is basically unaffected by the 
CO2 temperature at a distance of 1.81 m (layer 10) from the tubing center. The largest gradients of wall 
layer temperatures occur near the top of the well since the CO2 temperature is lowest there. 
During shutdown, a pressure increase in the well must be expected due to heat transfer from the 
surrounding formation and consequently increase in CO2 temperature and decrease of density.  A pressure 
increase of up to 40 bar was observed in the transient simulations during shutdown due to this effect. 
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3.2.2.1. Startup - shutdown - startup with -53°C injection temperature. The well is initially filled with cold 
water. Buried pipeline. 
It is seen in Figure 9 that after about 10 hours of injection, the temperature at bottomhole depth of 
layer 8 (about 0.9 m outside the well pipe centre) decreases. It continues to drop about 20 hours after the 
injection is stopped. The temperature change is however not dramatic (about 2-3 K). When injection is 
continued for several hours the temperature gradually drops to about -2 ºC about 0.15 m (layer 4) from 
the centre of the pipeline (i.e. near the formation surface). It is noted that the inner wall temperature/fluid 
temperature following shutdown will be reheated to above the hydrate temperature after about 7 hrs due 
heat transfer from the formation. I.e. any hydrates formed can most likely be melted again by shutting 
down the well. However, at present, little is known about the effect of hydrate formation and expansion in 
the near well formation when plugging, and the consequences of this. More work is therefore 
recommended in this area in order to investigate this issue and the consequences with respect to design. 
Figure 9 Snøhvit/Tubåen well and formation layer temperatures at bottomhole depth (2600 m). Startup-shutdown-startup with  
-53°C top of riser injection temperature. Injection rate: 325 kg/s. Buried pipeline. Startup at 10 and 130 hrs. Shutdown at 34 hrs. 
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Figure 10 Snøhvit/Tubåen well and formation layer temperatures at 1550 m depth. Startup-shutdown-startup with -53°C top of riser
injection temperature. Injection rate: 325 kg/s. Buried pipeline. Startup at 10 and 130 hrs. Shutdown at 34 hrs. 
Figure 11 Snøhvit/Tubåen well and formation layer temperatures at 950 m depth. Startup-shutdown-startup with -53°C top of riser
injection temperature. Injection rate: 325 kg/s. Buried pipeline. Startup at 10 and 130 hrs. Shutdown at 34 hrs. Some oscillations are 
seen due to numerical instabilities. 
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The time required for the formation to regain its original temperature is significant at all depths. 
100 hours after shut-down, the formation still hasn’t reached the equilibrium temperature of the 
formation. It is noted that some numerical oscillations and slightly unphysical behaviour are observed in 
particularly for the inner layer temperature in the shut-down period. This also affects the pressure curves.  
The oscillations are most likely due to the difficulties of simulating a single component fluid (CO2) with 
abrupt phase change, as mentioned in section 2.3. 
Figure 12 Snøhvit/Tubåen pressures at the wellhead and at 1550 m depth. Startup-shutdown-startup with -53°C top of riser injection
temperature. Injection rate: 325 kg/s. Buried pipeline. Startup at 10 and 130 hrs. Shutdown at 34 hrs. Some oscillations are seen due 
to numerical instabilities. 
During shutdown, a pressure increase at the wellhead/in the pipeline of about 26 bar is observed 
(Figure 12) due to heat transfer from the warmer formation and thus density decrease/volume increase of 
the CO2. If the well was isolated by a wellhead valve, this pressure increase would be significantly higher. 
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3.2.2.2. Startup - shutdown - startup with 0°C injection temperature. The well is initially filled with cold 
water. Buried pipeline. 
The simulations with higher injection temperature (0°C) in Figure 13 to Figure 15 show similar trends 
as the low temperature case, but with much smaller transients in temperature and also in pressure build-up 
due to heating during shut-down (Figure 16). Hydrate and freezing conditions are avoided.  
Figure 13 Snøhvit/Tubåen well and formation layer temperatures at bottomhole depth. Startup-shutdown-startup with 0°C top of 
riser injection temperature. Injection rate: 250 kg/s. Buried pipeline. Startup at 10 and 130 hrs. Shutdown at 34 hrs. 
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Figure 14 Snøhvit/Tubåen well and formation layer temperatures at 1550 m depth. Startup-shutdown-startup with 0°C top of riser 
injection temperature. Injection rate: 250 kg/s. Buried pipeline. Startup at 10 and 130 hrs. Shutdown at 34 hrs. 
Figure 15 Snøhvit/Tubåen well and formation layer temperatures at 950 m depth. Startup-shutdown-startup with 0°C top of riser 
injection temperature. Injection rate: 250 kg/s. Buried pipeline. Startup at 10 and 130 hrs. Shutdown at 34 hrs. Some oscillations are 
seen due to numerical instabilities. 
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Figure 16 Snøhvit/Tubåen pressures at the wellhead and at 1550 m depth. Startup-shutdown-startup with 0°C top of riser injection
temperature. Injection rate: 250 kg/s. Buried pipeline. Startup at 10 and 130 hrs. Shutdown at 34 hrs. Some oscillations are seen due 
to numerical instabilities. 
3.3. Sleipner case study 
The simulation results from the Sleipner case study are omitted in this paper in order to save space. 
However, similar simulations as in the Snøhvit case were undertaken. The main difference between the 
Snøhvit and Sleipner case is the reservoir depth, pressure and temperature.  Since Sleipner/Utsira is much 
shallower and has a lower reservoir pressure and temperature (1000 m TVD and 150 bar, 37°C) than 
Snøhvit (2600 m TVD at 285 bar, 120°C) the required injection pressure is lower and the heating effect 
from the formation is lower than for Snøhvit. Thus, the risk of freezing and hydrate formation is higher 
than in the Snøhvit case (in spite of the lower hydrate formation temperature of 9-11°C than on Snøhvit 
(10-12°C) due to the lower pressure. Consequently, a higher injection temperature and larger topside 
heating requirements are required for Sleipner. 
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3.4. Topside pumping and heating process 
Due to the low temperatures in the well and potential problems with hydrate formation and freezing, 
an alternative storage tank scenario at higher temperature and pressure was investigated. Since standard 
tanks that exist for onshore cryogen transportation are designed for operation at -20°C and 20 bar, these 
conditions were investigated in addition to the chosen storage tanks conditions at -53°C and 8 bar (used in 
offshore shipped transport of LNG).  The prediction of pump and heater requirements shown in the next 
section indicate that significant energy savings can be made by using the former alternative, since it 
seems to be necessary to preheat the CO2 from -53°C due to hydrate formation and freezing problems as 
shown in previous sections, and due to lower cooling requirements prior to transport. 
3.4.1. HYSYS simulations of topside process 
The topside pressurization and heating process between the storage tanks on the ship and the injection 
riser was simulated using a steady state model in HYSYS. Two cases were simulated: 
Case 1 with storage tank conditions of -53°C and 8 bar, pressurized and heated to 124 bar and 0°C in 
                 two stages 
Case 2 with storage tank conditions of -20°C and 20 bar, pressurized and heated to 118 bar and 0°C  
                 in one stage 
The process diagrams and simulation results are shown in Figure 17 and 18. The total heating duty is 
reduced from 25.4 MW in Case 1 to 7.4 MW in Case 2 wile pumping duty is reduced from 4029 kW to 
3555 kW. Furthermore the reduction from 2 stages to 1 will reduce equipment costs, simplify the 
operation and reduce the risk of failures. 
Figure 17 HYSYS simulation of topside process Case 1 (pressurization and heating from storage tank conditions of -53°C, 8 bar up
to 0°C and 124 bar in two stages) 
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Figure 18 HYSYS simulation of topside process Case 2 (pressurization and heating from storage tank conditions of -20°C, 20 bar up
to 0°C and 118 bar in one stage) 
4. Discussion/conclusions 
The main findings and conclusions from the study are summarized below.  
Injection capacity: 
x The reservoir pressure increases with well depth, and this is a determining factor with respect to 
injection capacity and pump sizing. 
x With an available injection pump discharge pressure of about 120 bar, the injection capacities were 
predicted to about 275 kg/s (=839 m3/h at -53°C) on Snøhvit and 400 kg/s (=1225 m3/h at -53°C) on 
Sleipner when assuming 7” ID tubing size in the well and 700 m flowline length. 
x The pressure drop can be reduced and injection capacity increased by selecting larger tubing sizes than 
7” in the well, since a significant contribution to pressure drop is due to high velocities and frictional 
pressure drop in the well. 
The low temperature of the injected CO2 may cause serious problems during injection: 
x Hydrate formation when cold CO2 meets formation water in the perforations and near well zone 
x Freezing of near well formation will cause stresses due to expansion (while tubing and casing steel will 
contract at low temperature) and possibly fracturing and damage of well casing and associated packers 
etc. and near formation. Formation freezing may cause potential blockage and fractures leakage of CO2
to unwanted locations. Too high injection pressure will also increase the risk of fracturing. 
x The transient conditions during startup and shutdown will cause imposed stresses on the formation and 
well materials due to large changes in temperature. 
x Dry ice formation may be a problem during depressurization or leakage scenarios. 
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x On Snøhvit, the fluid temperature was calculated to about -38°C at the bottomhole during injection at a 
topside temperature of -53°C, and pump design flow rate 400 kg/s with 700 m buried pipeline. This is 
far below the hydrate formation temperature of about 10-12°C.  On Sleipner/Utsira, the temperature 
was about -46 °C at 400 kg/s, and hydrate temperature about 9-11°C. With unburied 700 m long 
pipelines, the similar bottomhole temperatures were 0 °C and -16°C on Snøhvit and Sleipner 
respectively.
x If the pipeline is unburied, and if icing on the pipe outer wall can be avoided, a long pipeline can act as 
a heat exchanger, increasing the retention time of the CO2 in the pipeline and heating towards the sea 
water temperature before it enters the well. This can be used to avoid or decrease the risk hydrate 
formation in the well and may be a cheaper/more practical solution than installing a heater topside with 
this purpose. 
x Icing on the pipeline outer wall will act as an insulating layer and will significantly decrease the 
wellhead temperature compared to an uninsulated pipeline. The same applies if the pipeline is buried 
or partly buried. In this study a conservative burial depth of 1 m was assumed 
x Icing of the riser may cause problems due to loss of flexibility and possible damage due to this during 
loading. 
x Existing water injection wells will most likely not be designed for such low temperatures. New 
materials and recompletion will be required 
Storage conditions at the ship vs. energy requirements: 
x The proposed storage conditions at the ship at 7-8 bar and -53°C are optimized for transportation of 
large volumes of CO2 (low density). They are however not optimum for injection into the reservoir, 
due to the low temperatures, and the energy requirements for cooling prior to ship transport and 
necessary heating and pressurization before injection are substantial. 
x An alternative storage condition at -20°C and 20 bar is suggested, giving considerably reduced cooling 
and heating requirements (savings in the order of 18 MW on topside heating and a similar amount for 
the cooling prior to ship transport). In addition the number of stages with pressurization and heating 
can on the ship be reduced from 2 to 1, which means less equipment cost as well as simplified and 
increased reliability of operation 
x The density is reduced with the alternative storage conditions from about 1160 kg/m3 at  -53°C , 8 bar 
to 1032 kg/m3 at -20°C, 20 bar. This represents a loss in shipped quantum of liquid CO2 of about 2560 
tonnes (about 11% of total shipped quantum) per trip. 
Other issues 
x During shutdown, a pressure increase in the well must be expected due to heat transfer from the 
surrounding formation and consequently increase in CO2 temperature and decrease of 
density/increased volume. A pressure increase of about 25 bar was observed in the transient 
simulations during shutdown due to this effect. 
x Chemical reactivity between the CO2 and water can change fluid properties in the 
bottomhole/perforations, causing carbonate/scale formation 
x Corrosion on tubing steel due to CO2 mixing with water 
x Carbonate acid may attack cement surrounding the annulus of the well. 
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Uncertainties in the model and recommendations for further work: 
x Uncertainties are obviously present in the current well heat transfer model due to simplification to 2D 
and homogenous constant formation properties, neglecting flow/convection effects. For a better 
prediction of formation temperature and also the buried or partly buried pipeline heat transfer it is 
recommended to extend the model to include also vertical heat transfer, and also obtain more detailed 
data for formation thermal properties.  
x Validation/tuning against field data on pressure drop, heat transfer and reservoir response (injectivity) 
is recommended to reduce the uncertainty in the simulations. 
x Limited information exists on fluid properties of CO2 at very low temperatures. Fluid properties 
(density, viscosity, thermal conductivity, enthalpy) should preferably be verified against experimental 
data to obtain better accuracy of the simulations. 
x Heat transfer studies of pipeline heating systems using the sea water as heating medium with some 
intermediate medium (such as propane or glycol) between the cold pipe and the seawater to avoid 
freezing should be performed. 
x Studies may be performed to investigate formation stress and risk of fracturing 
x A flow model tailor-made for CO2 injection in supercritical liquid state with the ability to simulate 
phase change to supercritical gas, subcritical gas and liquid and sublimation phase change with better 
stability than OLGA should preferably be applied in future simulation work. 
x The flow model might be extended to include a better reservoir inflow model accounting for near well 
reservoir properties (injectivity, skin, permeability, porosity, saturation, perforations, fractures etc.). 
This would give more a realistic better boundary condition on the reservoir side. Similarly, pump 
curves or a dynamic pump model could also be included as the top of riser boundary condition.  
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